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1. INTRODUCTION AND QUALIFICATIONS 

Q: State your name, occupation and business address. 

A: I am Paul L. Chernick. I am President of Resource Insight, 

Inc., 18 Tremont Street, Suite 1000, Boston, Massachusetts. 

Resource Insight, Inc. was formed in August 1990 as the 

combination of my previous firm, PLC, Inc., with Komanoff 

Energy Associates. 

Q: Summarize your professional education and experience. 

A: I received a S.B. degree from the Massachusetts Institute of 

Technology in June, 1974 from the Civil Engineering 

Department, and a S.M. degree from the Massachusetts Institute 

of Technology in February, 1978 in Technology and Policy. I 

have been elected to membership in the civil engineering 

honorary society Chi Epsilon, and the engineering honor 

society Tau Beta Pi, and to associate membership in the 

research honorary society Sigma Xi. 

I was a Utility Analyst for the Massachusetts Attorney 

General for over three years, and was involved in numerous 

aspects of utility rate design, costing, load forecasting, and 

the evaluation of power supply options. Since 1981, I have 

been a consultant in utility regulation and planning, first as 

a Research Associate at Analysis and Inference, after 1986 as 

President of PLC, Inc., and in my current position at Resource 

Insight., I have advised a variety of clients on utility 

matters. My work has considered, among other things, the need 

for, cost of, and cost-effectiveness of prospective new 

generation plants and transmission lines; retrospective review 



1 of generation planning decisions/ ratemaking for plant under 

2 construction; ratemaking for excess and/or uneconomical plant 

3 entering service; conservation program design; cost recovery 

4 for utility efficiency programs; and the valuation of 

5 environmental externalities from energy production and use. 

6 My resume is Attachment 1 to this testimony. 

7 Q: Have you testified previously in utility proceedings? 

8 A: Yes. I have testified approximately eighty times on utility 

9 issues before various regulatory, legislative, and judicial 

10 bodies, including the Massachusetts Department of Public 

11 Utilities, the Massachusetts Energy Facilities Siting Council, 

12 the Vermont Public Service Board, the Texas Public Utilities 

13 Commission, the New Mexico Public Service Commission, the 

14 District of Columbia Public Service Commission, the New 

15 Hampshire Public Utilities Commission, the Connecticut 

16 Department of Public Utility Control, the Michigan Public 

17 Service Commission, the Maine Public Utilities Commission, the 

18 Minnesota Public Utilities Commission, the South Carolina 

19 Public Service Commission, the Federal Energy Regulatory 

20 Commission, and the Atomic Safety and-Licensing Board of the 

21 U.S. Nuclear Regulatory Commission. A detailed list of my 

22 previous testimony is contained in my resume. 

23 Q: Have you testified previously before this Commission? 

24 A: Yes. I testified on BG&E's least-cost plan in Case No. 8278. 

25 Q: Have you been involved in least-cost utility resource 

26 planning? 
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Yes. I have been involved in utility planning issues since 

1978, including load forecasting, the economic evaluation of 

proposed and existing power plants, and the establishment of 

rate for qualifying facilities. Most recently, I have been a 

consultant to various energy conservation design 

collaboratives in New England, New York, and Maryland; to the 

Conservation Law Foundation's (CLF's) conservation design 

project in Jamaica; to CLF interventions in a number of New 

England rulemaking and adjudicatory proceedings; to the Boston 

Gas Company on avoided costs and conservation program design; 

to the City of Chicago in reviewing the Least Cost Plan of 

Commonwealth Edison; to the South Carolina Consumer Advocate 

on least-cost planning; and to several parties on 

incorporating externalities in utility planning and resource 

acquisition. I also assisted the DC PSC in drafting order 

8974 in Formal Case 834 Phase II, which established least-cost 

planning requirements for the electric and gas utilities 

serving the District. 

Have you authored any publications on utility planning and 

ratemaking issues? 

Yes. I have authored a number of publications on rate design, 

cost allocations, power plant cost recovery, conservation 

program design and cost-benefit analysis, and other ratemaking 

issues. These publications are listed in my resume. 

Are you engaged in any least-cost planning activities in 

Maryland? 
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Yes. I am a consultant for the Maryland Office of People's 

Counsel (OPC) to the DSM collaboratives for PEPCO and BG&E, 

which also include the Commission Staff, DNR, and in the case 

of the BG&E collaborative, other parties. I am responsible 

for issues concerning avoided costs, resource allocation, cost 

recovery and regulatory policy. I have also been involved in 

similar collaborative undertakings involving electric and gas 

utilities in Vermont, New York, and Massachusetts. 

On whose behalf are you testifying? 

My testimony is being sponsored by the Maryland Office of 

People's Counsel (OPC). 

What is the purpose of this testimony? 

This testimony will review the basic concepts in avoided-cost 

determination for DSM and examine the publicly available 

evidence on BG&E's avoided cost determination. I also discuss 

the valuation of the environmental externalities avoided by 

DSM, and BG&E's use of avoided costs in screening. 

Please summarize your testimony. 
/ P 

I conclude that the avoided costs used in BG&E's 1991 IRM and 

in the 12/90 Conservation Plan are too low and appear to be 

internally inconsistent. The avoided costs are too low in 

that 

the demand-related costs of generation and transmission 

are understated, and transmission may be entirely 

omitted, 

- distribution costs are entirely omitted, 
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externality values are entirely omitted, 

no credit is given for risk mitigation, 

avoided energy costs do not appear to reflect the effects 

of the Clean Air Act Amendments (CAAA) of 1990. 

The avoided costs are also estimated inconsistently, with the 

generation capacity costs apparently reflecting the combustion 

turbine (CT) portion of Perryman (which cannot be avoided 

without also avoiding the heat-recovery steam generator) and 

with the energy costs apparently reflecting marginal energy 

costs. 

The available documentation of BG&E's avoided costs is 

very limited. It is not possible to determine how losses were 

incorporated in the avoided costs, or how any of the avoided 

costs were derived. 

BG&E also improperly screens DSM programs, comparing the 

costs incurred in a fixed 15-year time period with the 

benefits in the same time period. BG&E thus includes the 

costs of 1991 installations and 15 years of benefits from 

those installations; this may understate the benefits, since 

the measures may last much longer than 15 years. More 

seriously, BG&E includes the cost of 2005 installations, but 

only 1 year of benefits from those installations. This is an 

entirely improper and unreasonable computation, which is 

biased against DSM. 

- 5 -
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OPC witness Plunkett describes the expected DSM resource 

available to BG&E, if it properly analyzed and implemented 

DSM. Mr. Plunkett's testimony also contains OPC's specific 

recommendation regarding the requested certificate of public 

convenience and necessity. 

Q: How have you organized your testimony? 

A: I present the remainder of my testimony in five more 

sections. Section 2 discusses the proper development of 

avoided costs for DSM. Section 3 compares BG&E's estimates of 

avoided costs to realistic values, and to its own Marginal 

Cost Study. Section 4 discusses problems in BG&E's screening 

of DSM. Section 5 expands on the valuation of externalities 

in resource selection. Section 6 describes the risk-

mitigation benefits of DSM. Section 7 presents my conclusions 

and recommendations. 
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2. DEVELOPMENT OF DIRECT AVOIDED COSTS FOR DSM 

Q: How should BG&E estimate the supply costs avoided by DSM? 

A: BG&E should capture the avoidable costs of 

generating capacity, both that related to demand and that 

related to energy, and including purchases, capital 

recovery and O&M costs; 

• transmission capacity, including capital recovery and O&M 

costs; 

• distribution capacity, including capital recovery and O&M 

costs; 

• fuel and other variable O&M generation energy costs; 

• compliance with environmental regulations; 

• line losses in the transmission and distribution system; 

and 

• externalities. 

2.1 Generating Capacity 

Q: How should utilities estimate the generating capacity costs 

avoidable by DSM? 

A: The utility should estimate the cost savings of altering the 

least-cost supply plan without the DSM to the least-cost 

supply plan with the DSM. The DSM should be assumed to have 

a realistic load shape (generally, similar to overall system 

load) , and the amount of DSM should be comparable to the 

capacity of avoidable supply. The portion of the avoided 

- 7 -



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 

25 
26 

capacity cost that is comparable to the cost of peaking 

capacity (generally combustion turbines (CTs)) should be 

assumed to be related to demand or reliability, while the 

excess should be assumed to be related to energy load. 

Q: How would you apply this approach to BG&E? 

A: I would treat as avoidable either the first Perryman combined-

cycle (CC) phase or the entire Perryman plant. I would 

determine the demand-related cost by using the cost of the 

CTs, including O&M and the common plant they require. The 

excess of the plant cost, including the cost of selective 

catalytic reduction (SCR) and the extra O&M for the CC, would 

be assigned to energy costs.1 All fixed costs should be real-

levelized, that is, stated in terms of a first year $/kW such 

that the present value of the revenue scream of the escalated 

$/kW value times annual kW is equal to the present value of 

the expected revenue requirement stream. I would use this as 

the avoidable capacity costs from 1994 onwards. The PP&L 

purchase is avoidable in 1993. 

Q: How should the demand costs be attributed to various types of 

load? 

A: From the 1990 marginal cost study (MCS), about 45% of LOLP is 

in the summer on-peak period, and about 28% is in the winter 

on-peak. These portions might be allocated to peak demand 

reduction in the appropriate period. The remaining demand-

1The extra fixed costs of a CC over a CT are incurred to allow 
for production of low-cost energy throughout the year. 
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related costs should be spread over the energy requirements in 

the intermediate and off-peak periods. 

2.2 Variable Generation Energy Costs 

How would you estimate the variable generation energy costs 

avoided by DSM? 

I would compare the dispatch costs (fuel, variable fuel 

handling, variable O&M) of the base case to the dispatch costs 

of the same case, minus the energy load of DSM (and without 

any avoided supplies), again at an appropriate DSM load shape. 

The difference is the avoided variable energy costs. 

The resulting values must be time-differentiated, 

preferably by load level. The generation energy costs (the 

dispatch costs, plus capitalized energy) at each load level 

can then be multiplied by losses at that load level and 

weighted by the load level, to derive a weighted loss factor. 

This computation should be performed for each rating period. 

In BG&E's case, this would include 6 periods. 

2.3 Transmission and Distribution Capacity 

How would you estimate avoidable transmission and distribution 

capacity for DSM? 

In general, it is not possible to directly compute the 

difference in T&D investment for the base and DSM cases, due 

to the lack of system planning models comparable to the system 

models used in generation planning. Hence, it is usually 
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necessary to estimate T&D costs from historical (and perhaps 

projected) relationships between investments and loads. 

Regardless of where the customer's usage is metered, 

someone must provide distribution to the end use, which is 

almost always at secondary. Hence, avoidable T&D should be 

computed to the secondary level for all customer classes. 

2.4 Environmental Costs 

Q: How should BG&E include the costs of environmental compliance? 

A: First, for effects that will be mitigated, BG&E should include 

reasonable estimates of the cost of mitigation. The 

incremental costs of all emissions-control and effluent-

reduction equipment and measures, including all capital and 

operating costs, the costs of additional fuel consumed due to 

an increase in plant heat rate, and all other incremental 

costs should be included in the costs of the resource. The 

costs in this category cover current costs of existing rules, 

future costs of existing rules, and future costs of expected 

rules. 

Second, for residual effects that will be internalized 

through taxes, fees, emissions caps or another method, BG&E 

should include a forecast of those costs, just as it considers 

future fuel prices in its cost analysis. Examples include the 

trading allowance provisions of the CAAA, and other rules that 

can be anticipated today, such as C02 emissions reductions and 

air toxics reductions. The costs in this category are simply 

- 10 -
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projections of future internalized costs, and should be 

treated in the same manner as fuel price or other forecasts. 

2.5 Line Losses 

What line losses should be included in DSM avoided costs? 

Marginal losses should be included for demand costs and for 

energy costs, recognizing the variation in marginal losses 

with load level. Marginal energy losses should reflect the 

range of loads and costs within a period, rather than losses 

at the average load level in the period. Like distribution 

costs, losses should be included to the end-use level, which 

is almost always secondary. 

2.6 Externalities 

How should externalities be incorporated into utility 

planning? 

The residual environmental and other external effects of power 

plant construction and operation (the effects that remain 

after mitigation efforts and that will not be internalized) 

should be monetized, and estimates of the social cost should 

be included in resource planning and acquisition. Perryman 

and BG&E's existing system contribute to regional and global 

environmental concerns in a way that DSM or other clean 

resources would not. 

- 11 -
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2.7 Risk Mitigation 

How should the effects of risk be incorporated in DSM 

valuation? 

DSM, due to its short lead times, small additions, and 

tendency to follow load growth and load levels, reduces risk 

compared to supply additions. This results in lower expected 

costs (often estimated to be about 10% lower than without 

risk), and lower volatility and long-run uncertainty in costs. 

Base-case avoided supply costs should thus be increased to 

reflect both the difference between base case avoided costs 

and the avoided costs under uncertainty, and the value of 

reduced volatility and uncertainty. 
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3. BG&E'S AVOIDED COSTS 

Q: Did BG&E correctly estimate avoided costs for the purposes of 

DSM analyses? 

A: No. BG&E's avoided costs are understated in several ways. 

Q: What is the basis for your understanding of BG&E's approach? 

A: I have reviewed the available documentation of BG&E's avoided 

costs in the 1990 Marginal Cost Study (MCS), the December 1990 

Conservation Plan (CP), and the 1991 Integrated Resource Plan 

(IRP) . The MCS is a source of estimates for BG&E avoided 

costs, while avoided costs are tabulated and used for 

screening DSM programs in the CP and IRP. 

The available documentation of BG&E's avoided costs in 

the CP and IRP are very limited. It is not possible to 

determine how losses were incorporated in the avoided costs, 

or how any of the avoided costs were derived. 

Q: What problems have you found? 

A: The avoided costs used in BG&E's 1991 IRM and in the 12/90 

Conservation Plan are too low, in that 

the demand-related costs of generation and transmission 

are understated, and transmission may be entirely 

omitted, 

distribution costs are entirely omitted, 

externality values are entirely omitted, 

avoided energy costs do not appear to reflect the effects 

of the Clean Air Act Amendments of 1990. 
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The avoided generation costs are also estimated 

inconsistently. 

3.1 Generation Costs 

Q: What are the problems with the generation demand avoided-cost 

estimates? 

A: Both the CP and the IRP report a value for demand-related 

generation capacity of $445.48/kW, with demand measured in 

terms of contribution to coincident peak (CP), in roughly 

1991$. This value is not an annualized cost, but some sort of 

investment cost or present value. 

BG&E actually appears to use a capacity cost of 

$57.82/kW-yr for each year.2 Regardless of when a measure is 

installed, BG&E assumes that it has a present value capacity 

benefit of $57.82/kW-yr (present-valued to 1991) for each year 

from the installation to 2005. Thus, a 1991 installation is 

assumed to be worth $867/kW of CP, while a 2005 installation 

is worth only $58.3 The BG&E methodology does not appear to 

be able to evaluate measures lasting less than its analysis 

period; if BG&E did evaluate a 7-year measure starting in 

1991, it would presumably be valued at about $400/kW.4 

2This number can be derived, for example, by dividing any of 
the values in the "Generation" column of a PV Avoided Capacity 
Costs table by the product of the cumulative program (i.e., non-
free-rider) participants in that year and the CP savings per 
participant. 

3This error is discussed again below. 

4The importance of using real-levelized carrying costs, rather 
than nominally-levelized carrying costs or present values of 
capacity costs, in evaluating resources with different lives is 
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Q: Are these values consistent with the MCS? 

A: No. The MCS reports an investment of $522/kW (1989$) for a 

125 MW CT. Including BG&E's assumed 5.25% annual inflation in 

capital costs, materials and supplies (M&S) of 2.33% of 

investment,5 and at a 10.5% real carrying charge,6 this is 

$59/kW-year in 1991$. With reserves of 18% and marginal 

losses of 20%, the cost per kW of CP at the end-use level is 

about $84/kW-yr. 

In addition to capital-related costs, generation has 

demand-related operating costs. Table 2 computes the cost of 

O&M, with the adders from the MCS, for the MCS CT as about 

$5/kW-year of load at the end use. Thus, the total cost of 

the MCS CT is about $88/kW-year in 1991$. With average 

inflation of about 5.2% and a 12% discount rate, the present 

value of a 1991 installation of a measure lasting 40 years 

would be about $1500, the present value of a 15-year measure 

would be about $870, and that of a 7-year measure would be 

about $500. For measures starting in 2005, the 1991 present 

values would be 60% lower. 

Q: How do these values compare to BG&E's estimates of the costs 

of Perryman? 

demonstrated in the testimony of Dr. Parmesano (Exh. HSP-4). 
Nonetheless, Mr. DeWitt's testimony computes the cost of Perryman 
in nominally-levelized dollars (Exh. DDD-2). 

5This value is from the MCS. 

6Matt Kahal of Exeter Associates supplied this value, which is 
slightly lower than I have seen or computed elsewhere for similar 
parameters. 
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A: Only the cost of peaking capacity is demand-related. The cost 

of the Perryman peakers (including their share of the common 

costs) is computed in Tables 1 and 2.7 The total real-

levelized capital cost at the end use is $79/kW-yr. Thus, the 

cost of the Perryman peakers are about 10% lower than that of 

the smaller unit used in the MCS. 

In addition, the extra costs of the heat-recovery steam 

generator (HRSG) are equivalent to about $5/MWH of capitalized 

energy costs. To this value should be added the cost of 

selective catalytic reduction (SCR), which is about $1.5/MWH.8 

Q: What do you conclude about the value of generation capacity 

used in the CP and IRP? 

A: This value is generally understated. The treatment of the 

capacity cost is clearly incorrect, and does not properly 

reflect the differences in capacity value of measures with 

different lives and different installation dates. 

Q: Are the generation variable energy costs estimated more 

reasonably? 

7Mr. DeWitt's testimony assumes that only 25% of Perryman 
common costs would be avoided by the elimination of the first full 
CC phase. In fact, all common costs are avoidable in the early 
years. If we treat the first phase as avoidable, all common is 
avoidable until 1997 and the first-phase common is phased in from 
1997-2000. After the year 2000, the avoided common is the phase 2 
portion, until the next CC would be needed (sometime early in the 
next decade), after which phase 1 of the new CC would be avoided. 
Detailed modelling of these savings would be complicated/ as a 
first approximation, I have assumed that all the common listed in 
the IRP is designed for two full CC phases, and have assigned it on 
the basis of capacity. 

®This value is from Matt Kahal of Exeter Associates. 
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A: No. There is no indication that either the CP or the IRP uses 

the difference in costs between a base-case least-cost supply 

plan without DSM, and a least-cost supply plan with DSM. As 

shown in Table 4, the CP avoided energy costs are very similar 

to the marginal energy costs estimated in the MCS.9 In some 

cases, the CP avoided energy costs appear to be consistent 

with the MCS, if BG&E uses very low loss factors. In other 

cases, the CP avoided energy costs are somewhat too low to be 

derived directly from the MCS. 

Table 4 compares the MCS estimates, escalated to 1991, to 

the CP and IRP estimates. The computation corrects an 

oversight in the MCS, in which BG&E failed to include A&G on 

non-fuel energy costs. 

Q: Are the MCS values appropriate estimates of avoided energy 

costs for screening DSM? 

A: No, for three reasons. First, the MCS energy costs are the 

marginal costs (system lambda) of an extra kWh in a single, so 

they exclude some of the real energy costs of operating power 

plants, such as ramp-up of plants and the maintenance of 

minimum power levels in cycling plants. The full avoided 

energy cost is also usually higher than the marginal cost. 

Second, the MCS costs apparently represent operating 

conditions in the early 1990s, when the system is particularly 

rich in base-load capacity. As the system grows into its base 

9The avoided energy costs in the IRP do not seem to be 
correlated with any other available source. They are too low to be 
derived from the MCS. 
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load, and with the addition of combined-cycle intermediate 

plants in the late 1990s, more expensive units will be 

operated more often, and the marginal energy cost would be 

expected to rise faster than the inflation in fuel costs. 

BG&E escalates avoided fuels costs at its gas price inflation 

rate. 

Third, the MCS marginal energy costs do not represent a 

least-cost response to DSM and a reduction in demand and 

energy load requirements. Avoiding the first CC phase at 

Perryman with an equivalent amount of DSM would result in 

avoidance of Perryman's mix of gas and oil, plus other effects 

due to the difference between the load shapes of DSM and of 

Perryman. 

3.2 Transmission and Distribution Costs 

What is BG&E's estimate of marginal transmission costs? 

Tables 1 and 2 restates the MCS estimates for marginal 

transmission cost to real-levelized 1991$. The result is 

about $23/kW of CP in 1991, escalating at about 5.1%. 

What value of avoided transmission cost does BG&E use in the 

CP and IRP? 

BG&E does not even list a transmission cost value. Since BG&E 

reasonably treats transmission as being related to CP, the 

"generation" costs in the CP and IRP may be the sum of 

generation and transmission. If this is the case, these 

values are even more grossly understated than was discussed in 
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the previous section. If transmission is not reflected in the 

"generation" cost, BG&E has simply omitted a significant cost 

item. 

Q: Do utilities generally include marginal transmission costs in 

their estimates of the costs avoidable by DSM? 

A: Yes. I can recall only one other utility that excludes 

transmission costs from avoided costs.10 Virtually all major 

utilities with which I am familiar (e.g., all seven New York 

utilities, New England Electric, Northeast Utilities, Boston 

Edison, Potomac Electric Power) treat transmission as 

avoidable. Since transmission is a bulk service, driven by 

demand growth, this treatment is clearly correct. 

Q: What is BG&E's estimate of marginal distribution costs? 

A: The MCS estimates marginal distribution costs at $44-$54/kW-

year of customer NCP in 1989$. 

Q: Is this range reasonable? 

A: No. These costs are clearly understated. The only capital 

distribution item which is computed in the MCS is for 

substations. BG&E estimates an average cost of $114/NCP kW 

for 1985-94 by dividing an average 1989$ investment of $29.9 

million by an average load growth of 269 MW. The latter 

figure appears to be incorrect. According to Table 2 of the 

MCS, CP load growth in the period 1985-94 was expected to be 

10That utility is Commonwealth Electric, which primarily 
supports this action by its interpretation of a regulatory order, 
rather than fundamental engineering relationships. The 
Massachusetts DPU has not approved CommElec's exclusion of 
transmission. 
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1371 MW. From the loss study, the sum of NCPs is about 14.5% 

higher than CP, so 1985-94 growth would have been 1570 MW, not 

2670 MW. The resulting corrected substation cost is $190/kW, 

67% higher than BG&E's value. 

BG&E's estimates of avoidable capital costs for primary 

and secondary lines, and for transformers, are entirely 

undocumented. These numbers are also very low, compared to 

other utilities' estimates. Nor are the differences in these 

estimates by class explained. The small magnitude of the 

marginal costs for these items suggest that they may estimated 

for $/kVA of customer connected load, or some other measure of 

demand with a high number of units and hence a small cost per 

unit. 

Does BG&E include any distribution costs in screening DSM? 

No. In the 1990 IRP, BG&E did its DSM cost-effectiveness 

computations both with and without T&D savings. I noted in my 

testimony in Case No. 8278 that this was pointless for 

conservation, since T&D is certainly avoided by conservation. 

In both the 1991 IRP and the 1990 CP, BG&E omits distribution 

savings. In the CP, distribution savings are given a value of 

$53.32/kW of NCP (presumably referring to class non-coincident 

peak, but neither the classes nor their peaks are defined in 

the CP), but NCP savings are set to zero. In the IRP, 

distribution savings are given a zero value. 
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1 Q: Is this treatment correct or plausible? 

2 A: No. Ignoring distribution savings seriously understates the 

3 value of DSM. 

4 

5 3.3 Line Losses 

6 Q: What line losses does BG&E use in its avoided cost 

7 computations? 

8 A: This is not specified, and I cannot derive line losses from 

9 any of the data provided with the avoided costs. 

10 Q: What line losses does BG&E use in its MCS? 

11 A: Those line losses are also not specified. By comparing the 

12 costs given in the text of the MCS to those reported by class 

13 in Appendix A.3 of the MCS indicate that BG&E is assuming 8% 

14 energy losses and 10.9% CP demand losses. 

15 Q: Are these values plausible? 

16 A: No. They appear to be estimates of average losses, not 

17 marginal losses. Energy losses, either average or marginal, 

18 should vary by load level, and hence by time period. The 

19 marginal losses are roughly twice the average losses and vary 

20 roughly linearly with load. This would suggest that • the 

21 marginal peak demand losses are about 20%, and losses at 

22 average load are about 12%. Since more energy is sold at the 

23 higher-load hours, and since these are the most expensive 

24 hours, the average difference between energy costs at 

25 generation and energy costs at the end use would be about 15%. 
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These values would be representative for DSM at the 

premises of all customers. While the MCS is properly 

concerned only with losses to the meter, DSM saves energy 

losses all the way to the end use, which for primary customers 

includes transformers and secondary lines. 

3.4 Costs of Environmental Compliance 

Q: Is there any indication that BG&E has included in its DSM 

avoided costs any estimate of the costs of compliance with the 

Clean Air Act Amendments of 1990? 

A: No. The IRP indicates that BG&E has not yet determined its 

compliance plan, and there is no indication that BG&E has 

included in its avoided costs the increased fuel costs from 

fuel-switching or from co-firing; increased heat rates, 

increased variable O&M, and decreased capacity from scrubbing; 

or allowances purchased or not sold due to incremental 

generation. This apparent omission understates the value of 

DSM. 

Witness Switzer testified (Tr. 1/29/91 at 288) that to 

the extent BG&E incurs costs to comply with environmental 

standards, those costs are reflected on the generation side. 

I have not reviewed BG&E's avoided costs in enough detail to 

determine whether BG&E is properly reflecting those costs. 

However, witness Kinney testified (Tr. 1/30/91 at 374) that 

the spring 1990 forecast of electricity prices does not 
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include the costs of the (at that time proposed) CAAA, nor was 

he certain that they would be included in the 1991 electricity 

price forecast, which he expected would be filed in the spring 

of this year. It would have been reasonable for BG&E to 

include estimates of the impacts of the CAAA in its 1990 

forecasts since the form, costs and effects of the legislation 

have been debated for about a decade and passage (in 

essentially the final form) appeared inevitable. Leaving out 

the costs of the CAAA would be an egregious omission from the 

1991 forecasts, given the adoption of the amendments in 

October of 1990 after such a lengthy debate.11 I find it 

difficult to believe that BG&E has not had time to generally 

evaluate the effects of the CAAA on its avoided costs. 

Q: What effect do the Clean Air Act Amendments have on BG&E? 

A: The most important immediate effect of the acid gas provisions 

of the CAAA require S02 emissions reductions at a number of 

plants serving BG&E before 1995. Among the units listed in 

the CAAA are BG&E's Crane 1 and 2 and the jointly-owned 

uKinney went on to testify that the increase in costs caused 
by the CAAA would tend to dampen demand for electricity. A 
reduction in demand would affect the timing of new resources. The 
CAAA is therefore important to the selection and timing of the 
Perryman units due to its effect on loads, as well as due to its 
effects on DSM benefits. 
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Conemaugh 1 and 2.12 These reductions will generally require 

addition of a scrubber or the conversion to low-sulphur coal. 

The 1995 requirements will tend to increase avoided 

costs. If plants are switched to low-sulphur coal, BG&E's 

fuel costs and hence its avoided costs will be higher than 

currently projected, starting in 1995.13 If scrubbers are 

installed, capacity and availability will tend to be reduced, 

requiring the use of more expensive replacement fuels. 

Scrubbers also increase non-fuel variable O&M. 

Starting in about 2000, every ton of S02 emitted by BG&E 

plants will require BG&E to buy one allowance (if it is over 

its baseline emission level), or sell one less allowance (if 

BG&E is under the baseline emission level). More energy 

generated by the coal units implies more allowances used, for 

a given fuel type and set of emission controls. A coal unit 

which just met the proposed 1995 emission requirements would 

emit 1.2 lb of S02 per MMBTU, while BG&E's oil plants (burning 

0.9% S #6 oil) would emit about 1 lb of S02 per MMBTU. At 

10,000 BTU/kWH, 1 MWh would require 10 MMBTU; for a typical 

BG&E unit, that would'produce about 10 lb of S02. So if an 

allowance is worth $l,500/ton S02 (the price set forth in the 

12The CAAA also lists many other PJM units, including the 
remainder of Conemaugh, several PP&L units (Brunner Island 1-3, 
Martins Creek 1-2, and Sunbury 3-4), and others. Since BG&E buys 
and sells large amounts of power with other PJM utilities, 
increases in PJM system costs may affect BG&E's avoided costs. 

13The prices for low-sulphur coal are likely to rise, although 
the magnitude of the increase will depend on the response of 
utilities to the legislation. 
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