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INTRODUCTION AND QUALIFICATIONS

State your name, occupation and business address.

I am Paul L. Chernick. I am President of Resource Insight,
Inc., 18 Tremont Street, Suite 1000, Boston, Massachusetts.
Resource Insight, Inc. was formed in August 1990 as the
combination of my previous firm, PLC, Inc., with Komanoff
Energy Associates.

Summarize your professional education and experience.

I received a S.B. degree from the Massachusetts Institute of
Technology in June, 1974 from the Civil Engineering
Department, and a S.M. degree from the Massachusetts Institute
of Technology in February, 1978 in Technology and Policy. I
have been elected to membership in the civil engineering
honorary society Chi Epsilon, and the engineering honor
socliety Tau Béta Pi, and to associate membership in the
research honorary society Sigma Xi.

I was a Utility Analyst for the Massachusetts Attorney
General for over three years, and was involved in numerous
aspects of utility rate design, costing, load forecasting, and
the evaluation of power supply options. Since 1981, I have
been a consultant in utility regulation and planning, first as
a Research Assoclate at Analysis and Inference, after 1986 as
President of PLC, Inc., and in my current position at Resource
Insight., I have advised a variety of clients on utility
matters. My work has considered, among other things, the need
for, cost o0f, and cost-effectiveness of prospective new

generation plants and transmission lines; retrospective review
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of generation planning decisions; ratemaking for plant under
construction; ratemaking for excess and/or uneconomical plant
entering service; conservation program design; cost recovery
for wutility efficiency programs; and the wvaluation of
environmental externalities from energy production and use.
My resume is Attachment 1 to this testimony.

Have you testified previously in utility proceedings?

Yes. I have testified approximately eighty times on utility
issues before various regulatory, legislative, and judicial
bodies, including the Massachusetts Department of Public
Utilities, the Massachusetts Energy Facilities Siting Council,
the Vermont Public Service Board, the Texas Public Utilities
Commission, the New Mexico Public Service Commission, the
District of Columbia Public Service Commission, the New
Hampshire Public Utilities Commission, the Connecticut
Department of Public Utility Control, the Michigan Public
Service Commission, the Maine Public Utilities Commission, the
Minnesota Public Utilities Commission, the South Carolina
Public Service Commission, the Federal Energy Regulatory
Commission, and the Atomic Safety and. Licensing Board of the
U.S. Nuclear Regulatory Commission. A detailed list of my
previous testimony is contained in my resume.

Have you testified previously before this Commission?

Yes. I testified on BG&E’s least-cost plan in Case No. 8278,

Have you been involved in least-cost wutility resource

planning?
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Yes. I have been involved in utility planning issues since
1978, including load forecasting, the economic evaluation of
proposed and existing power plants, and the establishment of
rate for qualifying facilities. Most recently, I have been a
consultant to various energy conservation design
collaboratives in New England, New York, and Maryland; to the
Conservation Law Foundation’s (CLF’s) conservation design
project in Jamaica; to CLF interventions in a number of New
England rulemaking and adjudicatory proceedings; to the Boston
Gas Company on avoided costs and conservation program design;
to the City of Chicago in reviewing the Least Cost Plan of
Commonwealth Edison; to the South Carolina Consumer Advocate
on least-cost planning; and to several parties on
incorporating externalities in utility planning and resource
acquisition. I also assisted the DC PSC in drafting order
8974 in Formal Case 834 Phase II, which established least-cost
planning requirements for the electric and gas utilities
serving the District.

Have you authored any publications on utility planniné and
ratemaking issues?

Yes. I have authored a number of publications on rate design,
cost allocations, power plant cost recovery, conservation
program design and cost-benefit analysis, and other ratemaking
issues. These publications are listed in my resume.

Are you engaged in any least-cost planning activities in

Maryland?
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Yes. I am a consultant for the Maryland Office of People’s
Counsel (OPC) to the DSM collaboratives for PEPCO and BG&E,
which also include the Commission Staff, DNR, and in the case
of the BG&E collaborative, other parties. I am responsible
for issues concerning avoided costs, resource allocation, cost
recovery and regulatory policy. I have also been involved in
similar collaborative undértakings involving electric and gas
utilities in Vermont, New York, and Massachusetts.

On whose behalf are you testifying?

My testimony is being sponsored by the Maryland Office of
People’s Counsel (OPC).

What is the purpose of this testimony?

This testimony will review the basic concepts in avoided-cost
determination for DSM and examine the publicly available
evidence on BG&E’s avoided cost determination. I also discuss
the valuation of the environmental externalities avoided by
DSM, and BG&E’s use of avoided costs in screening.

Please summarize your testimony. //px
I conclude that the avoided costs used in BG&E’s 1991 éi%{and
in the 12/90 Conservation Plan are too low and appea;>to be
internally inconsistent. The avoided costs are too low in

that
~ the demand-related costs of generation and transmission
are understated, and transmission may be entirely

omitted,

- distribution costs are entirely omitted,
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- externality values are entirely omitted,
- no credit is given for risk mitigation,
- avoided energy costs do not appear to reflect the effects

of the Clean Air Act Amendments (CAAA) of 1990.

The avoided costs are also estimated inconsistently, with the
generation capacity costs apparently reflecting the combustion
turbine (CT) portion of Perryman (which cannot be avoided
without also avoiding the heat~recovery steam generator) and
with the energy costs apparently reflecting marginal energy
costs.

The available documentation of BG&E’s avoided costs is
very limited. It is not possible to determine how losses were
incorporated in the avoided costs, or how any of the avoided
costs were derived.

BG&E also improperly screens DSM programs, comparing the
costs incurred in a fixed 15-year time period with the
benefits in the same time period. BG&E thus includes the
costs of 1991 installations and 15 years of benefits from
those installations; this may understate the benefits, since
the measures may last much longer than 15 years. More
seriously, BG&E includes the cost of 2005 installations, but
only 1 year of benefits from those installations. This is an

entirely improper and unreasonable computation, which 1is

biased against DSM.



11
12
13
14

15

OPC witness Plunkett describes the expected DSM resource
available to BG&E, if it properly analyzed and implemented
DSM. Mr. Plunkett’s testimony also contains OPC’s specific
recommendation regarding the requested certificate of public
convenience and necessity.

How have you organized your testimony?

I present the remainder of my testimony in five more
sections. Section 2 discusses the proper development of
avoilded costs for DSM. Section 3 compares BG&E’s estimates of
avoided costs to realistic values, and to its own Marginal
Cost Study. Section 4 discusses problems in BG&E’s screening
of DSM. Section 5 expands on the valuation of externalities
in resource selection. Section 6 describes the risk-
mitigation benefits of DSM. Section 7 presents my conclusions

and recommendations.
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A:

DEVELOPMENT OF DIRECT AVOIDED COSTS FOR DSM

How should BG&E estimate the supply costs avoided by DSM?
BG&E should capture the avoidable costs of
* generating capacity, both that related to demand and that
related to energy, and including purchases, capiﬁal
recovery and O&M costs;
* transmission capacity, including capital recovery and O&M
costs;
+ distribution capacity, including capital recovery and 0&M
costs;
» fuel and other variable 0&M generation energy costs;
» compliance with environmental regulations;
* line losses in the transmission and distribution system;
and

e externalities.

2.1 Generating Capacity

How should utilities estimate the generating capacity costs
avoidable by DSM?

The utility should estimate the cost savings of altering the
least-cost supply plan without the DSM to the least-cost
supply plan with the DSM. The DSM should be assumed to have
a realistic load sheape (generally, similar to overall system
load), and the amount of DSM should be comparable to the

capacity of avoidable supply. The portion of the avoided
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capacity cost that 1is comparable to the cost of peaking
capacity (generally combustion turbines (CTs)) should be
assumed to be related to demand or reliability, while the
excess should be assumed to be related to energy load.

How would you apply this approach to BG&E?

I would treat as avoidable either the first Perryman combined-
cycle (CC) phase or the entire Perryman plant. I would
determine the demand-related cost by using the cost of the
CTs, including O&M and the common plant they require. The
excess of the plant cost, including the cost of selective
catalytic reduction (SCR) and the extra 0&M for the CC, would
be assigned to energy costs.! All fixed costs should be real-
levelized, that is, stated in terms of a first year $/kW such
that the.present value of the revenue scream of the escalated
§/kW value times annual kW is equal to the present value of
the expected revenue requirement stream. I would use this as
the avoidable capacity costs from 1994 onwards. The PP&L
purchase is avoidable in 1993.

How should the demand costs be attributed to various types of
load?

From the 1990 marginal cost study (MCS), about 45% of LOLP is
in the summer on-peak period, and about 28% is in the winter
on-peak. These portions might be allocated to peak demand

reduction in the appropriate period. The remaining demand-

1The extra fixed costs of a CC over a CT are incurred to allow

for production of low-cost energy throughout the year.

- 8 -
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related costs should be spread over the energy requirements in

the intermediate and off-peak periods.

2.2 Variable Generation Energy Costs

How would you estimate the variable generation.energy costs
avoided by DSM?

I would compare the dispatch costs (fuel, variable fuel
handling, variable 0O&M) of the base case to the dispatch costs
of the same case, minus the energy load of DSM (and without
any avoided supplies), again at an appropriate DSM load shape.
The difference is the avoided variable energy costs.

The resulting wvalues must be time-differentiated,
preferably by load level. The generation energy costs (the
dispatch costs, plus capitalized energy) at each load level
can then be multiplied by losses at that load level and
weighted by the load level, to derive a weighted loss factor.
This computation should be performed for each rating period.

In BG&E’s case, this would include 6 periods.

2.3 Transmission and Distribution Capacity

How would you estimate avoidable transmission and distribution
capacity for DSM?

In general, it 1s not possible to directly compute the
difference in T&D investment for the base and DSM cases, due
to the lack of system planning models comparable to the system

models used in generation planning. Hence, it 1is usually
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necessary to estimate T&D costs from historical (and perhaps
projected) relationships between investments and loads.
Regardless of where the customer’s usage 1is metered,
someone must provide distribution to the end use, which is
almost always at secondary. Hence, avoidable T&D should be

computed to the secondary level for all customer classes.

2.4 Environmental Costs

How should BG&E include the costs of environmental compliance?
First, for effects that will be mitigated, BG&E should include
reasonable estimates of the <cost of mitigation. The
incremental costs of all emissions-control and effluent-
reduction equipment and measures, including all capital and
operating costs, the costs of additional fuel consumed due to
an increase in plant heat rate, and all other incremental
costs should be included in the costs of the resource. The
costs in this category cover current costs of existing rules,
future costs of existing rules, and future costs of expected

rules.

Second, for residual effects that will be internalized

through taxes, fees, emissions caps or another method, BG&E
should include a forecast of those costs, just as it considers
future fuel prices in its cost analysis. Examples include the
trading allowance provisions of the CAAA, and other rules that
can be anticipated today, such as CO, emissions reductions and

alr toxics reductions. The costs in this category are simply

_10-..
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projections of future internalized costs, and should be

treated in the same manner as fuel price or other forecasts.

2.5 Line Losses

What line losses should be included in DSM avoidéd costs?
Marginal losses should be included for demand costs and for
energy costs, recognizing the variation in marginal losses
with load level. Marginal energy losses should reflect the
range of loads and costs within a period, rather than losses
at the average load level in the period. Like distribution
costs, losses should be included to the end-use level, which

is almost always secondary.

2.6 Externalities

How should externalities be incorporated into utility
planning?

The residual environmental and other external effects of power
plant construction and operation (the effects that remain
after mitigation efforts and that will not be internalized)
should be monetized, and estimates of the social cost should
be included in resource planning and acquisition. Perryman
and BG&E’s existing system contribute to regional and global
environmental concerns in a way that DSM or other clean

resources would not.

_11_



10
11

12

2.7 Risk Mitigation

How should the effects of risk be incorporated in DSM
valuation?

DSM, due to its short lead times, small additions, and
tendency to follow load growth and load levels, reduces risk
compared to supply additions. This results in lower expected
costs (often estimated to be about 10% lower than without
risk), and lower volatility and long-run uncertainty in costs.
Base-case avoided supply costs should thus be increased to
reflect both the difference between base case avoided costs
and the avoided costs under uncertainty, and the value of

reduced volatility and uncertainty.

- 12 -
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BG&E’S AVOIDED COSTS

Did BG&E correctly estimate avoided costs for the purposes of
DSM analyses?

No. BG&E’s avoided costs are understated in several ways.
What is the basis for your understanding of BG&E’s approach?
I have reviewed the available documentation of BG&E’s avoided
costs in the 1990 Marginal Cost Study (MCS), the December 1990
Conservation Plan (CP), and the 1991 Integrated Resource Plan
(IRP) . The MCS is a source of estimates for BG&E avoided
costs, while avoided costs are tabulated and wused for
screening DSM programs in the CP and IRP.

The available documentation of BG&E’s évoided costs in
the CP and IRP are very limited. It is not possible to
determine how losses were incorporated in the avoided costs,
or how any of the avoided costs were derived.

What problems have you found?
The avoided costs used in BG&E’s 1991 IRM and in the 12/90
Conservation Plan are too low, in that
- the demand-related costs of generation and transmission
are understated, and transmission may be entirely
omitted,
- distribution costs are entirely omitted,
- externality values are entirely omitted,
- avoided energy costs do not appear to reflect the effects

of the Clean Air Act Amendments of 1890.

..13_.
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The avoided generation costs are also estimated
inconsistently.
3.1 Generation Costs

Q: What are the problems with the generation demand avoided-cost
estimates?

A: Both the CP and the IRP report a value for demand-related
generation capacity of $445.48/kw, with demand measured in
terms of contribution to coincident peak (CP), in roughly
19918, This value is not an annualized cost, but some sort of
investment cost or present value.

BG&E actually appears to wuse a capacity cost of
$57.82/kW-yr for each year.? Regardless of when a measure is
installed, BG&E assumes that it has a present value capacity
benefit of $57.82/kW-yr (present-valued to 1991) for each year
from the installation to 2005. Thus, a 1991 installation is
assumed to be worth $867/kW of CP, while a 2005 installation
is worth only $58.° The BG&E methodology does not appear to
be able to evaluate measures lasting less than its analysis
period; 1f BG&E did evaluate a 7-year measure starting in

1991, it would presumably be valued at about $400/kWwW.*

’This number can be derived, for example, by dividing any of
the values in the "Generation" column of a PV Avoided Capacity
Costs table by the product of the cumulative program (i.e., non-
free-rider) participants in that year and the CP savings per
participant.

’This error is discussed again below.

‘The importance of using real-levelized carrying costs, rather
than nominally-levelized carrying costs or present values of
capacity costs, in evaluating resources with different lives is

- 14 -
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Q: Are these values consistent with the MCS?

A: No. The MCS reports an investment of $522/kW (1988$) for a
125 MW CT. Including BG&E’s assumed 5.25% annual inflation in
capital costs, materials and supplies (M&S) of 2.33% of
investment,® and at a 10.5% real carrying charge,® this is
$59/kW-year in 1991S$. With reserves of 18% and marginal
losses of 20%, the cost per kW of CP at the end-use level is
about $84/kW-yr.

In addition to capital-related costs, generation has
demand-related operating costs. Table 2 computes the cost of
0&M, with the adders from the MCS, for the MCS CT as about
$5/kW~-year of load at the end use. Thus, the total cost of
the MCS CT is about §$88/kW-year in 19918. With average
inflation of about 5.2% and a 12% discount rate, the present
value of a 1991 installation of a measure lasting 40 years
would be about $1500, the present value of a 15-year measure
would be about $870, and that of a 7-year measure would be
about $500. For measures starting in 2005, the 1991 present
values would be 60% lower.

Q: How do these values compare to BG&E’s estimates of the costs

of Perryman?

demonstrated in the testimony of Dr. Parmesano (Exh. HSP-4).
Nonetheless, Mr. DeWitt’s testimony computes the cost of Perryman
in nominally-levelized dollars (Exh. DDD-2).

This value is from the MCS.
®Matt Kahal of Exeter Associates supplied this value, which is
slightly lower than I have seen or computed elsewhere for similar

parameters. :

- 15 -
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A Only the cost of peaking capacity is demand-related. The cost
of the Perryman peakers (including their share of the common
costs) is computed in Tables 1 and 2.7 The total real-
levelized capital cost at the end use is $79/kW-yr. Thus, the
cost of the Perryman peakers are about 10% lower than that of
the smaller unit used in the MCS.

In addition, the extra costs of the heat-recovery steam
generator (HRSG) are equivalent to about $5/MWH of capitalized
energy costs. To this wvalue should be added the cost of
selective catalytic reduction (SCR), which is about $1.5/MWH.®

Q: What do you conclude about the value of generation capacity

used in the CP and IRP?

A This value 1is generally understated. The treatment of the

capacity cost 1s clearly incorrect, and does not properly
reflect the differences in capacity value of measures with
different lives and different installation dates.

Q: Are the generation variable energy costs estimated more

reasonably?

‘ "Mr. DeWitt’s testimony assumes that only 25% of Perryman
common costs would be avoided by the elimination of the first full
CC phase. In fact, all common costs are avoidable in the early
years. If we treat the first phase as avoidable, all common is
avoidable until 1997 and the first-phase common is phased in from
1997-2000. After the year 2000, the avoided common is the phase 2
portion, until the next CC would be needed (sometime early in the
next decade), after which phase 1 of the new CC would be avoided.
Detailed modelling of these savings would be complicated; as a
first approximation, I have assumed that all the common listed in
the IRP is designed for two full CC phases, and have assigned it on
the basis of capacity.

8 This value is from Matt Kahal of Exeter Associates.

- 16 -
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No. There is no indication that either the CP or the IRP uses
the difference in costs between a base-case least-cost supply
plan without DSM, and a least-cost supply plan with DSM. As
shown in Table 4, the CP avoided energy costs are very similar
to the marginal energy costs estimated in the MCS.® In some
cases, the CP avoided energy costs appear to be consistent
with the MCS, if BG&E uses very low loss factors. 1In other
cases, the CP avoided energy costs are somewhat too low to be
derived directly from the MCS.

Table 4 compares the MCS estimates, escalated to 1991, to
the CP and IRP estimates. The computation corrects an
oversight in the MCS, in which BG&E failed to include A&G on
non~fuel energy costs.

Are the MCS values appropriate estimates of avoided energy
costs for screening DSM?

No, for three reasons. First, the MCS energy costs are the
marginal costs (system lambda) of an extra kWh in a single, so
they exclude some of the real energy costs of operating power
plants, such as ramp-up of plants and the maintenance of
minimum power levels in cycling plants. The full avoided
energy cost is also usually higher than the marginal cost.

Second, the MCS costs apparently represent operating
conditions in the early 1990s, when the system is particularly

rich in base-load capacity. As the system grows into its base

’The avoided energy costs in the IRP do not seem to be

correlated with any other available source. They are too low to be
derived from the MCS.

- 17 -
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load, and with the addition of combined-cycle intermediate
plants in the late 1990s, more expensive units will be
operated more often, and the marginal energy cost would be
expected to rise faster than the inflation in fuel costs.
BG&E escalates avoided fuels costs at its gas price inflation
rate,

Third, the MCS marginal energy costs do not represent a
least-cost response to DSM and a reduction in demand and
energy load reguirements. Avoiding the first CC phase at
Perryman with an equivalent amount of DSM would result in
avoidance of Perryman’s mix of gas and o0il, plus other effects
due to the difference between the load shapes of DSM and of

Perryman.

3.2 Transmission and Distribution Costs

What is BG&E’s estimate of marginal transmission costs?
Tables 1 and 2 restates the MCS estimates for marginal
transmission cost to real-levelized 19918. The result 1is
about $23/kW of CP in 1991, escalating at about 5.1%.

What value of avoided transmission cost does BG&E use in the
CP and IRP?

BG&E does not even list a transmission cost value. Since BG&E
reasonably treats transmission as being related to CP, the
"generation" costs in the CP and IRP may be the sum of
generation and transmission. If this is the case, these

values are even more grossly understated than was discussed in

- 18 -
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the previous section. If transmission is not reflected in the
"generation" cost, BG&E has simply omitted a significant cost
item.

Q: Do utilities generally include marginal transmission costs in
their estimates of the costs avoidable by DSM?

A: Yes. I can recall only one other utility that excludes
transmission costs from avoided costs.!® Virtually all major
utilities with which I am familiar (e.g., all seven New York
utilities, New England Electric, Northeast Utilities, Boston
Edison, Potomac Electric Power) treat transmission as
avoidable. Since transmission is a bulk service, driven by
demand growth, this treatment is clearly correct.

What is BG&E’s estimate of marginal distribution costs?

A: The MCS estimates marginal distribution costs at $44-$54/kW-
year of customer NCP in 1989$.
Is this range reasonable?

A: No. These costs are clearly understated. The only capital
distribution item which is computed in the MCS is for
substations. BG&E estimates an average cost of $114/NCP kW
for 1985-94 by dividing an average 1989$ investment of $29.9
million by an average load growth of 269 MW, The latter
figure appears to be incorrect. According to Table 2 of the

MCS, CP load growth in the period 1985-94 was expected to be

That wutility is Commonwealth Electric, which primarily
supports this action by its interpretation of a regulatory order,
rather than fundamental engineering relationships. The
Massachusetts DPU has not approved CommElec’s exclusion of
transmission.

...19._
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1371 MW. From the loss study, the sum of NCPs is about 14.5%
higher than CP, so 1985-94 growth would have been 1570 MW, not
2670 MW. The resulting corrected substation cost is $190/kW,
67% higher than BG&E’s value.

BG&E’s estimates of avoidable capital costs for primary
and secondary 1lines, and for transformers, are entirely
undocunmented. These numbers are also very low, compared to
other utilities’ estimates. Nor are the differences in these
estimates by class explained. The small magnitude of the
marginal costs for these items suggest that they may estimated
for $/kVA of customer connected load, or some other measure of
demand with a high number of units and hence a small cost per
unit. |
Does BG&E include any distribution costs in screening DSM?
No. In the 1990 IRP, BG&E did its DSM cost-effectiveness
computations both with and without T&D savings. I noted in my
testimony in Case No. 8278 that this was pointless for
conservation, since T&D is certainly avoided by conservation.
In both the 1991 IRP and the 1990 CP, BG&E omits distribution
savings. In the CP, distribution savings are given a value of
$53.32/kW of NCP (presumably referring to class non—-coincident
peak, but neither the classes nor their peaks are defined in
the CP), but NCP savings are set to zero. In the IRP,

distribution savings are given a zero value,

- 20 -~
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Is this treatment correct or plausible?
No. Ignoring distribution savings seriously understates the

value of DSM,

3.3 Line Losses

What line losses does BG&E wuse 1in its avoided cost
computations?

This is not specified, and I cannot derive line losses from
any of the data provided with the avoided costs.

What line losses does BG&E use in its MCS?

Those line losses are also not specified. By comparing the
costs given in the text of the MCS to those reported by class
in Appendix A.3 of the MCS indicate that BG&E is assuming 8%
energy losses and 10.9% CP demand losses.

Are these values plausible?

No. They appear to be estimates of average losses, not
marginal losses. Energy losses, either average or marginal,
should vary by load level, and hence by time period. The
marginal losses are roughly twice the average losses and vary
roughly linearly with load. This would suggest that . the
marginal peak demand losses are about 20%, and losses at
average load are about 12%. Since more energy is sold at the
higher-load hours, and since these are the most expensive
hours, the average difference between energy costs at

generation and energy costs at the end use would be about 15%.

- 21 -
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These values would be representative for DSM at the
premises of all customers. While the MCS 1is properly
concerned only with losses to the meter, DSM saves energy
losses all the way to the end use, which for primary customers

includes transformers and secondary lines.

3.4 Costs of Environmental Compliance

Is there any indication that BG&E has included in its DSM
avoided costs any estimate of the costs of compliance with the
Clean Air Act Amendments of 19907?

No. The IRP indicates that BG&E has not yet determined its
compliance plan, and there is no indication that BG&E has
included in its avoided costs the increased fuel costs from
fuel-switching or from co-firing; increased heat rates,
increased variable 0&M, and decreased capacity from scrubbing;
or allowances purchased or not sold due to incremental
generation. This apparent omission understates the value of
DSM.

Witness Switzer testified (Tr. 1/29/91 at 288) that to
the extent BG&E incurs costs to comply with environmental
standards, those costs are reflected on the generation side.
I have not reviewed BG&E’s avoided costs in enough detail to
determine whether BG&E 1is properly reflecting those costs.
However, witness Kinney testified (Tr. 1/30/91 at 374) that

the spring 1990 forecast of electricity prices does not
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include the costs of the (at that time proposed) CAAA, nor was
he certain that they would be included in the 1991 electricity
price forecast, which he expected would be filed in the spring
of this year. It would have been reasonable for BG&E to
include estimates of the impacts of the CAAA in its 1990
forecasts since the form, costs and effects of the legislation
have been debated for about a decade and passage (in
essentially the final form) appeared inevitable. Leaving out
the costs of the CAAA would be an egregious omission from the
1991 forecasts, given the adoption of the amendments in
October of 1990 after such a lengthy debate.? I find it
difficult to believe that BG&E has not had time to generally
evaluate the effects of the CAAA on its avoided costs.

What effect do the Clean Air Act Amendments have on BG&E?
The most imporﬁant immediate effect of the acid gas provisions
of the CAAA require SO, emissions reductions at a number of
plants serving BG&E before 1985. Among the units listed in

the CAAA are BG&E’s Crane 1 and 2 and the jointly-owned

lKinney went on to testify that the increase in costs caused

by the CAAA would tend to dampen demand for electricity. A

reduction in demand would affect the timing of new resources.

The

CAAA 1s therefore important to the selection and timing of the
Perryman units due to its effect on loads, as well as due to its

effects on DSM benefits.
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Conemaugh 1 and 2.'? These reductions will generally require
addition of a scrubber or the conversion to low-sulphur coal.

The 1995 requirements will tend to increase avoided
costs. If plants are switched to low-sulphur coal, BG&E’s
fuel costs and hence its avoided costs will be higher than
currently projected, starting in 1995.,%3 If scrubbers are
installed, capacity and availability will tend to be reduced,
requiring the use of more expensive replacement fuels.
Scrubbers also increase non-fuel variable O&M.

Starting in about 2000, every ton of S0, emitted by BG&E
plants will require BG&E to buy one allowance (if it is over
its baseline emission level), or sell one less allowance (if
BG&E 1is under the baseline emission level). More energy
generated by the coal units implies more allowances used, for
a given fuel type and set of emission controls. A coal unit
which just met the proposed 1995 emission requirements would
emit 1.2 1b of SO, per MMBTU, while BG&E’s o0il plants (burning
0.9% S #6 o0il) would emit about 1 1lb of SO, per MMBTU. At
10,000 BTU/kWH, 1 MWh would require 10 MMBTU; for a typical
BG&E unit, that would produce about 10 1lb of S0,. So if an

allowance is worth $1,500/ton SO, (the price set forth in the

2'he CAAA also lists many other PJM units, including the
remainder of Conemaugh, several PP&L units (Brunner Island 1-3,
Martins Creek 1-2, and Sunbury 3-4), and others. Since BG&E buys
and sells large amounts of power with other PJM utilities,
increases in PJM system costs may affect BG&E’s avoided costs.

3The prices for low-sulphur coal are likely to rise, although
the magnitude of the increase will depend on the response of
utilities to the legislation.
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CAAA, section 416(c) for an allowance auction), the additional
cost of 200 MWH of coal-fired generation, which produces about
1 ton of S0,, would be $1,500, or $7.50/MWh.

The value of each allowance will depend on the demand for
allowances, which is a function of new coal- and oil-fired
power plant construction, retirements and repowerings, and
usage of existing units, and on the supply of allowances,
which is a function of the cost of low-sulfur fuels and of
emission control technologies. ICF (1989) estimated that
allowances would trade for $651-711/ton SO, in 2000, $527-650
in 2005, and $575-800 in 2010, all in 1988 dollars, based on
the then-current Administration bill.* National Acid
Precipitation Assessment Program (NAPAP) projects a cost of
allowances of about - $800-$1,200/ton S0,.%* The Allegheny
Power System projects least-cost control costs on its system
of about $576/tonlso2 for flue gas desulfurization (FGD) on
its Harrison plant, $782/ton for fuel switching to low sulfur

coal, and $960/ton SO, for FGD on its Hatfield plant.'® The

’

MICF Resources Inc., Economic Analysis of Title V (Acid Rain
Provisions) of the Administrations’s Proposed Clean Air Act

Amendments (H.R.3030/S.1490), Prepared for the U.S. EPA, September,

1989,

I5NAPAP Key Results, Statement of James R. Mahoney, National
Academy of Sciences, September 5, 1990.

Y¥rigures expressed in 1991$. Allegheny Power System, "West
Penn Power Company’s strategy to comply with the requirements of
the Clean Air Act Amendments of 21990," February, 1991. APS
expected to meet its Phase I targets through scrubbers on Harrison
and its Phase II targets through fuel switching and/or scrubbers on
the Hatfield units.
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CAAA require the EPA to offer a small number of allowances
each year at $1,500 in 1990 dollars.'” Thus, the value of an
allowance might be $600-1500/ton SO,, and each MWh of marginal
fossil generation might cost $3.00 to $7.50 in emissions
allowances, in 1990 dollars.

How will the CAAA affect the need for Perryman?

The most important effect will be to raise the company’s
avoided costs, which will generally dampen BG&E customer
demand. The higher costs will also tend to raise the avoided
costs against which DSM is screened. Both of these effects
will tend to delay the need for new supply by BG&E, including
construction of some or all of the stages of Perryman. If
BG&E did not pursue DSM, the CAAA could serve to accelerate
the Perryman combined cycle units.

Does BG&E include costs of compliance with  future
environmental regulations?

Witness Bourquin testified that the company designs its plants
to comply with existing regulations, and does not include
costs for future "unknown" standards (Tr. 1/29/91 at 183).
Despite a regulatory finding that SCR should be required at
Perryman, BG&E still does not include the cost of SCR in its
estimate of Perryman costs. Therefore, it appears that BG&E
simply reacts to regulations, and (at least for planning

purposes) ignores their potential impacts prior to the

"CAAA, Title IV, Section 416(c). This subsection requires the

price of allowances to rise with inflation based on the Consumers
Price Index.
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adoption of formal regulations, as evidenced by its treatment

of the CAAA prior to their adoption in October, 1990.

3.5 Externalities
Does BG&E include any externalities in its avoided costs?
No. None of the sources I have reviewed indicates that
monetized externalities at any value are included in any of
BG&E’s marginal or avoided cost estimates.
What externality values should BG&E use in screening DSM?
From 1995 on, if DSM is assumed to displace Perryman, the
externality value would be somewhat greater than that of
Perryman, or about 1.5 ¢/kWh, plus losses to the end use. The
increment is due to the fact that DSM will tend to displace
more of the dirtiest off-peak coal generation.

Until 1995, DSM would primarily displace existing coal,
0il and some gas generation on BG&E’s system and the similar
PJM system. As derived in Section 5, the externalities of

existing plants are on the order of 4-5¢/kWh.

3.6 Risk Mitigation

Does BG&E include any credit for DSM to reflect the risk
mitigation benefits of DSM?

No.
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BG&E’S SCREENING OF DSM
Is it clear how BG&E has been screening DSM?
No. As I noted in my testimony in Case No. 8278, it is not
possible to determine how BG&E determines what measures and
programs to implement. It has been almost exactly a year
since I described these problehs in BG&E’s screening process,
but BG&E has not yet publicly documented that process, in the
1991 IRP or elsewhere,
How should BG&E screen DSM?
A cqmprehensive screening process would start with screening
of measures, assuming that cost-effective programs into which
they could be fit will be developed. 1In this screening, only
the incremental cost of the measure is included. All program
overhead costs (e.g., marketing) and fixed delivery costs
(e.g., getting an installer to the customer) are ignored.
Similarly, measure enhancements (increased SEER requirements,
thicker insulation, installation on equipment with lower
hours’ use) can be screened, based on their incremental costs.
In these first screening steps, and in all other

screening, it is important to

- include all relevant costs and benefits,

- recognize the difference between average conditions and

conditions for suitable applications of a measure,
- maximize the difference between benefits and costs,

rather than the ratio of benefits to costs, and
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- reject options which are not cost—-effective on an
incremental basis, even if they can be combined with
other options to form packages that are cost-effective.
Once the cost-effective measures have been identified and
made as cost-effective as possible, they can be combined into
programs for screening. The screening of programs should
include overheads, joint costs, free riders, and free drivers,
The results of the screening determine which programs are
worth undertaking, not how much the utility should pay toward
the costs of the measures. Participant cost shares should be
determined as part of program design since participant costs
are closely tied to many market barriers.?®

Multiple cost—-effective options may compete with one
another, especially where they would occupy the same physical
space or the séme energy service role. For example, in a new
home, only one water-heating system can be installed, which
may be a high-efficiency electric resistance water heater, a
wrapped resistance water heater, a heat-pump water heater, or
a gas water heater. The preferred option is the one with the
highest present value of net benefits, i.e., the difference
between benefits and cost. The highest-value alternative can

be identified by adding to an accepted option all enhancements

¥participant cost shares must be determined as part of program
design, since participant costs will determine participation rates,
which in turn determine the overhead program costs per unit of
savings. Since cost-effectiveness is determined by participant
costs, it would be somewhat circular to use measures of cost-
effectiveness in determining the share of program costs to be borne
by participants.
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with positive incremental benefits, and rejecting those with
negative incremental benefits.

What problems are still evident with BG&E’s screening process?
BG&E improperly screens DSM programs, by including such
essentially pointless tests as the participant test, non-
participant test, and the utility cost test.!’

BG&E 1is also inconsistent in its choices of cost and
benefits to compare. BG&E compares the costs incurred in a
fixed 15-year time period with the benefits in the same time
period. BG&E thus includes the costs of 1991 installations
and 15 years of benefits from those installations; this. may
understate the benefits, since the measures may last much
longer than 15 years. More seriously, BG&E includes the cost
of 2005 installations, but only 1 year of benefits from those
installations. This is an entirely improper and unreasonable

computation, which is biased against DSM.

1’BG&E’s version of the utility test has problems beyond those

of the standard utility revenue requirements test. As I noted in
Case No. 8278:

What BG&E calls the utility test is really an
amalgam of the two viewpoints of the utility
ratepayers and utility shareholders, which does not
really reflect the perspective of either interest.
It does not reflect ratepayers’ interest since it
counts unrecovered costs incurred between rate
cases, a shareholder concern. Yet BG&E’s version
of the utility test does not really represent
shareholders’ concerns, since 1t counts costs that
ratepayers will eventually cover. Thus, BG&E is
not properly applying the utility test . . . The
Company’s version of the test is devoid of any real
economic meaning.
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Finally, BG&E uses a discount rate of 12% for evaluating
DSM. This value is too high. BG&E’s current estimate of its
cost of capital, on which it bases its discount rate used in
evaluating Perryman, is 11.87%. Using a lower discount rate
for Perryman than for DSM is biased in favor of Perryman,
Furthermore, using BG&E’s allowed return on equity, allowed
capital structure, and current or recent costs of its debt and
preferred, Table 5 estimates a cost of capital of 10.5%. The
lower the cost of capital and the discount rate, the more
capital-intensive resources (e.g., conservation investments)
are preferred to fuel-intensive resources (e.g., Perryman,

fuel-switching).
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EXTERNALITIES

5.1 The Need to Incorporate Environmental Externalities

Why is it important to include environmental externalities i« _J‘z
19T

evaluating the Perryman project, and comparing Perryman to
DSM?

DSM will reduce the environmental effects of BG&E’s generation
system, compared to existing sources, Perryman, or the
combination of Perryman and the existing system DSM will

actually displace. Those external effects impose costs on
Maryland, the region, the nation, and the world that are not
currently included in BG&E' s planning. Including

externalities would make additional DSM attractive, which may
affect the need and timing of the Perryman project.
Aggressive pursuit of DSM could delay the need for new supply,
including some or all of the Perryman units.

Including externalities may also affect the choice of
Perryman over other supply alternatives. Cogeneration
projects can have considerable efficiency and fuel switching
benefits, producing lower pollutant emissions than the
separate steam and electricity plants. For example, the
replacement of an old #6 oil-fired industrial boiler with a
new gas—-fired cogenerating steam and electricity plant can
produce significant emissions reductions, due to improved
plant efficiency, cleaner fuel, and more stringent emissions
control equipment. Of course, the benefits of specific
cogeneration projects will depend on many factors including
the emissions currently produced from the steam boiler (which
depend on the type of fuel and control equipment which would
otherwise be used for steam generation), and the emissions
otherwise produced from equivalent electricity generation.
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Renewables and highly efficient resources (like fuel
cells) can also have emissions-reducing benefits. BG&E
limited its choice of projects to a few fossil resources, and
did not consider the costs and benefits of many supply

resources.

Q: Are there other reasons for including externalities in utility
planning in general?

A: There are several reasons for including externalities in
utility resource planning. First, the externalities of
electricity generation are significant. Electricity

generation contributes about two-thirds of national sulfur
dioxide (SO,) emissions, one-third of national nitrogen oxides
(NO,) emissions, and one-third of national carbon dioxide (CO,)
emissions.?°

Second, a growing number of state utility commissions are
including the impact utilities have on the natural environment
in resource planning, and have determined that the value of
externalities are significant in relation to the direct costs
of electricity generation. The New York Public Service
Commission (PSC) estimates that a coal plant that just meets
the new source performance standards (NSPS) has externalities
on the order of 1.4 cents/kWh.” The Massachusetts
Department of Public Utilities (DPU) and Nevada Public Service
Commission (PSC) estimate that the same coal plant would have
externalities greater than 5 cents/kWh.?* Current estimates

2ngtatigtical Abstract of the United States 1990," U.S.
Department of Commerce. "Greenhouse Warming: Abatement and
Adaption" Resources for the Future Climate Resource Program, 1990.

Aputta, S. Consideration of Environmental Externalities in
New York State Utilities’ Bidding Programs for Acguiring Future

Electric Capacity. New York Public Service Commission, 1990.

22Massachusetts Order in Docket DPU 89-239, "Investigation by
the Department of Public Utilities on its own motion into proposed
rules to implement integrated resource management practices for
electric companies in the Commonwealth." August 31, 1990, and
Public Service Commission of Nevada Order in Docket 89%9-752, January
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indicate that the externality value of various conventional
generation options may range from 15% to over 100% of the
direct cost of the power supply options, depending on the
option and the valuation assumptions.?®

Third, different resource options have different
environmental effects. For example, 1in general, coal-fired
power plants produce much higher CO, emissions per kWh
generated than similar plants fired by o0il or natural gas,
while DSM has few or no related CO, emissions. Since CO,
contributes to the greenhouse effect, Maryland would be better
off with lower CO,-emitting options, all else being equal.?
Similarly, different plant technologies using the same fuel,
such as a pulverized coal boiler, an atmospheric fluidized bed
coal (AFBC) and an integrated gasification combined cycle
(IGCC), produce different amounts of various externalities.
If included, these differences may affect resource selection.

Fourth, some of the most expensive control measures
required on new polluting sources such as new power plants can
be avoided through the use of cleaner resources. The savings
associated with the use of the clean resource include the
direct costs of the controls that would otherwise have been
required to meet air quality or emissions goals. For example,
Maryland is considered part of a "transport region for oczone"
under the Clean Air Act Amendments of 1990 (CAARA),? which
encompasses all of the Northeast states including Pennsylvania
and the SMSA that includes the District of Columbia.

22, 1991.

23Chernick, P. and Caverhill, E. “"Comparison of Total Costs of
Supply Options for 89-239." Memo to Greg Tomlinson, May, 1990.

2In the case of greenhouse gases, everyone would be better off
with a reduction in CO02 emissions, not simply Maryland residents.
For other pollutants and effects, such as SO, and NO, emissions
reductions the benefits are more localized.

25Clean Air Act Amendments of 1990. Title I, Section 184 (a).
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Additional fossil generation in this transport region will
contribute incrementally to NO, and volatile organic compound
(VOC) emissions, which are precursors to ozone, at a time when
reductions of these pollutants must occur to comply with
federal regulations. Incremental additions to area emissions
are caused by new sources even i1f best available control
technology (BACT) control equipment for these pollutants is
installed.?® Meeting air quality targets will require
increasingly expensive control measures. On the other hand,
a resource that does not emit NO, or VOCs, such as DSM, will
not add to area emissions and will not require additional
control measures to neutralize its impact.

Further, a resource that does not emit NO, or VOCs, such
as DSM, will not use up offsets that are valuable for
mitigating emissions from other sources. The transport region
encompasses large areas that are in various stages of non-
attainment of the federal ozone standard. In these areas all
future emission sources must be offset by reductions in
existing sources. In addition, these areas must implement
plans to reduce current ozone levels, which will require
further reductions from existing sources of ozone precursors.
To the extent a new source must obtain offsets simply to
neutralize its own impact, more expensive offsets will be
required to achieve further reductions in emissions.
Conversely, if a new source requires no offsets (because it
has no NO, or VOC emissions), the cheaper offsets will Dbe
available for emissions reductions, sparing Maryland (and the
region) large additional costs.

Fifth, for each polluting resource there may be several
control mechanisms to achieve different levels of control.
Including externalities should reward utility and non-utility

?BG&E 1is resisting the installation of selective catalytic

reduction (SCR) for NO, control on Perryman. SCR 1is generally
required in many areas in the Northeast.
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generator (NUG) proposals that are relatively easily adapted
to comply with more stringent environmental regulations, and
proposals that are as environmentally benign as is cost-

effective based on the environmental analysis.
5.2 Method for Incorporating Externalities

Q: How can the externalities of different supply- and demand-side
resources be incorporated into utility planning?

A: Incorporating externalities into utility planning includes
determining the important externalities of each resource
option and estimating the value of reducing each externality
relative to the other attributes of the resource including its
cost.?

The list of important externalities for each resource
should include all important externalities, including both
regulated and currently unregulated pollutants, effluents, and
other potentially harmful actions or effects directly or
indirectly caused by the resource. The list used for resource
decisions may be bounded for practical purposes; however,
every effort should be made to include any externality (or
group thereof) which might effect utility resource
decisions.?®

In order to consistently compare the externalities with
other project attributes, the externalities should be
expressed on a basis consistent with the cause of the

externality. Most monetized externalities are energy-related.

?I"The considerations discussed here are discussed further in
Attachments 2. See also the Massachusetts DPU order in DPU 89-239,
August 1990.

2por example, the states that include externalities in utility

planning have not yet considered nuclear externalities. The
exclusion of these externalities is not usually important, since no
new nuclear units are currently proposed. However, before new

nuclear units could be evaluated, the externalities unique to
nuclear would have to be valued.
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Therefore, it is appropriate to express externalities in terms
of an externality cost in cents/kWh.

Some analysts have proposed the use of qualitative
schemes, such as subjective weighting of the environmental
effects. 1In effect, BG&E currently uses a subjective method
to evaluate other project attributes, like the risk of not

obtaining environmental permits, in its selection of
resources. However, there are serious problems with the
subjective consideration of externalities, including

inconsistency between valuation of the same pollutant in
different proceedings, 1inconsistency between the relative
value assigned pollutants with similar effects, results that
cannot be reproduced consistently, reliance on utility
planners (in some cases) to determine relative values of
reducing emissions of air pollutants and reduction of water

impacts, and others.?®

Q: How can the value of reducing externalities, in $/kWh, be
estimated?
A: There are three primary steps to expressing externality values

in terms of $/kWh. The first step is to count the important
effects of each resource. Typical units are pounds of
pollutant per kWh generated (lbs/kWh), or more generally,
units of the externality per kWh generated (units/kWh). Many
of the emissions, effluents, and effects are already monitored
by the wutilities or the state environmental agencies.
Examples of externalities that are currently reported include:
emissions of regulated air pollutants, SO,, NO,, CO, and TSP;
water throughput and consumption; and land use for power
plants. The amounts of other externalities not currently

#¥See Chernick, P. and Caverhill, E. "Monetizing Externalities
in Utility Regulations: The Role Of Control Costs," Paper prepared
for NARUC conference (October, 19890) for a list of the flaws and
shortfalls of this method. The New England Electric System (NEES)
proposed a subjective rating method in Massachusetts, where the DPU
rejected it in favor of an explicitly quantitative approach.
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controlled can often be easily calculated through the use of
well-known operating characteristics such as fuel type, heat
content and plant configuration. Externalities that can be
estimated in this way include emissions of CO,, which are
based on the carbon content of the fuel and the plant
efficiency, and emissions of toxic air pollutants such as
heavy metals, whose emissions depend on the fuel, plant
efficiency, and sometimes the control equipment installed to
reduce particulate and SO, emissions.

The second step is to determine the value of reducing the
externalities, expressed in units such as cost per pound of
pollutant ($/1b) or cost per unit of the externality ($/unit).

The final step is to estimate an externality cost per kWh
($/kWh) for each resource, which is done by multiplying the
quantity of the externality (units/kWh) by its value (§/unit).

5.3 Monetizing Externalities

Why should utilities estimate dollar values for externalities
rather than use a subjective method of comparison?

There are several reasons why explicit valuation is preferable
to more subjective methods for considering externalities in
utility planning.

1. Explicit valuation provides consistent externality
values. For example, within a prescribed area, a
pound of NO, is worth the same regardless of its
source. Similarly, similar impacts of different
power plants on the same water body should be
valued the same. Subjective methods do not
generally preserve this relationship.

2. Explicit wvaluation provides consistency across
utility resource options. A gas-—fired CT located
within Maryland should receive the same externality
cost regardless of its owner, all else being equal.
Similarly, a NUG should receive the same value
regardless of the contracting utility.
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1 3. Explicit valuation is simple to use. The value, in
2 $/unit of externality, 1s multiplied by the
3 externality related to the supply option, in
4 units/kWh, to get the externality cost in $/kWh.
5 The externalities of a resource option are then
6 summed to get the total externality cost.?®®
7
8 4, Explicit wvaluation can be used by the utilities to
9 encourage individual plant innovation to improve
10 efficiency, reduce emissions, and reduce other
11 externalities beyond required levels where it is
12 ' cost-effective to do so. A subjective analysis
13 does not send a clear signal about the worth of
14 these innovations or improvements.
15
16 5. There is growing support for explicit wvaluation,
17 specifically the cost of control approach, across
18 the country. The Massachusetts DPU, the New York
19 PSC, the California Energy Commission (CEC) and the
20 Nevada PSC have broken the ground in this area by
21 placing explicit values on several externalities
22 using versions of the cost of control approach
23 tailored to their specific air quality, control
24 costs and needs.¥
25
26 ,
27 5.3.1 Estimation Methodologies
28
29
30 Q: Once the important externalities have been identified, how can
31 the value of reducing each externality be estimated?
32 A: The states that require explicit valuation of externalities in
33 utility planning use and have considered one or both of two
34 methods. The methods differ in their applicability to certain
35 types of externalities, but they are similar in that each
36 estimates a unit value ($/unit of externality) for reducing
37 externalities. The methods are: _
38 1. Direct estimation of the environmental effects of a
39 pollutant, and the wvaluation of each of those
40 effects; and
41 ¥Comparing two resources with different load shapes also
42 requires the estimation of the changes in dispatch of the remainder
43 of the system. This is generally straightforward.
44 3The California PUC has since adopted the CEC values for
45 resource acquisition.
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2. Determination of the implied societal value of
reducing the pollutant, and the direct benefit of
reducing pollution at the margin, from the maximum
cost society has committed (or appears ready to
commit) to pay for reductions of this pollutant.

Please briefly describe each method.

In the first method, direct costing, the direct human health
and environmental effects of an externality are counted and a
value is placed on each effect to develop a direct estimate of
the damages caused by that pollutant. This method is weakened
by several scientific uncertainties, including the synergistic
and poorly understood effects of pollutants. It is also
complicated by societal value uncertainties, including the
value of protecting a human life or an endangered species.
Where sufficient information is available, the direct impact
analysis 1s often cited as the preferred method of
externalities valuation.?®?

The second method, the cost-of-control approach is
concerned with developing the value to society of reducing an
externality as it is implied in current or future regulations.
A simple example would be that if the Clean Air Act required
S02 mitigation that costs $2.00/1b S02, then the value to
society of reducing S02 -at the margin is at least $2.00/1b.
This method has been termed implied valuation, marginal~-cost-
of-control approach, shadow pricing and revealed preference,

This method relies on the legislators and environmental
regulators, rather than the wutilities and their rate-~
regulating agencies, to assign dollar values to the external
effects of utility operations, including effects on human life
and health, wildlife, natural ecosystems, historical monuments

and visibility.

1990.

For example see Massachusetts DPU Order 89-239, October,
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Which states or commissions use each method?

The direct costing approach has been reviewed in several
states, including Massachusetts and New York and by the
Bonneville Power Administration (BPA). Massachusetts rejected
its use for current utility planning, in favor of the second
approach listed above. New York also rejected its use for
near-term utility planning, although the New York utilities
and the New York State Energy and Research Development
Authority (NYSERDA) are embarking on a multi-year analysis of
the direct effects of power production in New York. The
results of this study, to be complete in 1994, may be
incorporated into utility planning at that time.

BPA has proposed starting-point externality values for
use in the Northwest based on a series of direct-costing
studies performed for BPA in 1985-1988. These values are
currently under review and have not yet been incorporated into
utility planning. New Jersey relied on a direct costing study
prepared by the Pace University Law School to estimate the
externality benefits of DSM to be used by New Jersey
utilities.®® The values proposed by BPA and those estimated
in the Pace study are listed in Table 6, the last three
colunns. ,

The values adopted by the CEC, the New York PSC, the
Massachusetts DPU and the Nevada PSC are generally based on
the cost of control approach. The adopted values are also
shown in Table 6. Even though these commissions all used
similar valuation techniques, they did not always arrive at
similar estimates for the value of reducing certain
externalities. The main differences in the value estimates
stem from differences in the regional air quality, control
nmeasures required in the region, uncertainty about future

3ottinger, et al., "Environmental Costs of Electricity," Pace

University Center for Environmental and Legal Studies, Oceana
Press, 1990.

- 41 -



O ~J oy bW

W W W DN DD DNDNDNDND NN R P 2 P R P
N~ O W © 1 6 Ul & W N = O Ww oo 2 o U1 6 W N - O O

33

regulations or the effects of particular externalities, and
slightly different application of the cost-of-control method.

Generally, the values adopted by the CEC for use on power
plants to be built within California are very high to reflect
the severely degraded air quality in the L.A. basin, and the
generally poor air quality in the rest of California. The
values adopted by the CEC for plants outside California are
generally lower, to reflect the much better air quality in the
regions from which California imports electricity, such as the
Northwest and the desert Southwest. For both within and
outside California, the Energy Commission adopted a very
optimistic estimate of the cost of CO, mitigation, based on
the costs of planting trees in an urban environment to
increase shading and reduce energy usage.

The New York PSC values are lower than the marginal costs
of control for power plants within that state or within the
region. They rely primarily on the average costs of measures
which will be taken to reduce emissions in the near future,
rather than the marginal cost of control. The CO, value
adopted by the PSC was one-tenth that estimated by the State
Energy Office.

The Massachusetts DPU relies on estimates of the value of
SO, allowances under the CAAA for S0,. For NO,, the DPU relies
on the cost of SCR on cogenerators, which is required in the
state, and generally in the region. For CO,, the DPU relies
on a low estimate of the cost.of planting trees in the U.S.

The Nevada PSC largely adopted the Massachusetts
externality values (inflated to 18908) with the exception of
the value for VOCs, which was independently estimated for

Nevada .

¥Nevada is largely in attainment for ozone.
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5.4 Valuing Externality Estimates in Maryland

Are the externality values developed 1in other states
applicable to Maryland?

The usefulness of the other estimates for Maryland vary
significantly. The estimates based on the direct costing
method, those developed for the BPA and relied upon by New
Jersey, are preliminary and are probably understated for
Maryland. Among other considerations, population densities
are generally lower in the BPA service territory than in
Maryland. In addition, in response to pressure from the
Administration, the BPA (a Federal agency) omits global
warming considerations entirely.

Many estimates of the value of local and regional
externalities derived using the cost-of-control approach in
other states should be generally applicable for Maryland,
though they may not translate directly into exact valuations
for Maryland. The CEC in-state estimates in some cases
represent control measures that are more strict than those
currently required in Maryland or elsewhere in the Northeast
transport region. However, as evidenced by the recommendation
by NESCAUM (Northeast States for Coordinated Air Use
Management, the joint planning agency of most of the states in
the Northeast Air Transport Region) that the Northeast adopt
the new California requirements for automobile emissions, the
Northeast is rapidly moving toward California level of
controls, especially for NO,. The New York values are not
particularly relevant, since they are based on average rather
than marginal costs of control.

The values derived in Massachusetts, Nevada and by the
California Energy Commission for power plants outside of
California appear to be the most readily applicable to
Maryland. Maryland has air quality problems, regulations and
control measures similar to or more severe than those in these
states. Maryland is in non-attainment status under the

federal regulations for ozone, is subject to similar federal
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regulations governing acid gas emissions, and is located in
the same ozone transport region as Massachusetts.?® The
cost~of-control estimates from these states are suitable
starting points for Maryland.
The major Massachusetts and Nevada externality values are
based on the following sources:
- 80,: national control requirements,
~ NO,: the cost of SCR on medium~sized power plants,
~ COy: very low costs of tree planting, much lower
than the costs of measures likely to be
required to meet the CO, reductions generally
believed to be necessary.

5.5 Externality Costs of BG&E Resource Options

Is the Perryman project particularly environmentally damaging?
Not compared to other conventional fossil-fired supply
options. The Perryman Project has several environmental
benefits including its staged construction, which allows it
some flexibility to respond to future environmental
regulations. Also, from the company’s description and
analysis of Perryman, the site of Perryman appears to have
small or no effect on local human and endangered wildlife
populations. The addition of heat recovery units will improve
the plant heat rate, and provide power at relatively low
emissions per kWh generated, relative to other fossil options.
The use of gas as the primary fuel by the Perryman project
should result in lower emissions of each of the major air
pollutants than for a similar oil-fired project or competing
0il or coal-fired intermediate load supply options, and very
little solid waste will be generated.

*For ozone, Baltimore is rated "severe" and the D.C. SMSA is

rated "serious". Nevada is actually in attainment, Massachusetts
ranges from moderate to serious and New York ranges from moderate
to severe.
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On the negative side, Perryman will have emissions of
greenhouse gases including CO,, emissions of acid rain
precursors including SO, (from burning oil) and NO,, emissions
of ozone precursors including NO, and small amounts of VOCs,
and effects related to gas production and transportation,
plant construction and land use. Perryman will also use fresh
water, which will be taken from the ground (352 mgy) and from
either the Baltimore City Susquehanna Pipeline or the effluent
from the Sod Run Wastewater Treatment Plant (about 700 mgy).
The water impact may be lessened if the bulk of the water
required is supplied by the effluent from the treatment plant,
rather than the city pipeline. ‘

Despite its advantages compared to some other supply
resources, Perryman is more polluting than is DSM. Perryman
will also tend to displace primarily existing gas and oil
units, since its dispatch cost will not be competitive with
coal. Conservation will tend to displace more of the most-
polluting generation of the BG&E and PJM systems, the coal
plants.

What might the three air emissions, CO,, SO, and NO, be worth
for typical units in Maryland?

If we use the Massachusetts DPU values for these pollutants,
inflated to $1990 of $0.78/1b S0O,, $3.40/1b NO,, and $0.011/1b
CO, (which are identical to the Nevada PSC values) the costs
are the following:

For an existing low-sulfur coal plant with emissions of
1 1b so, 0.7 1b NO,, 210 1lb CO, per MMBTU, the total
externality would be about $5.45 per MMBTU or (at 10,000
BTU/kWh) 5.5 cents per kWh. Eigh-sulfur coal plants would
have higher costs, and scrubbed plants lower costs. NO,

emissions and heat rates also vary.

For an existing oil-fired steam plant with emission rates
of 1 1b sO,, 0.4 1lb NO,, and 170 1lb CO, per MMBTU, the total
externality would be $4.00 per MMBTU or (at 10,000 BTU/kWh)
4.0 cents per kWh.

._45_.
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For a combustion turbine with water injection burning
0.2% #2 o0il, with emissions of 0.2 1lb S0O,, 0.194 lbs NO,, 162
lbs CO, per MMBTU, and .018 1lbs TSP/MMBtu the total
externality would be $2.60/MMBtu or (at 13,000 Btu/kWh) 3.4
cents/kWh.

For a combined-cvcle plant, burning firm gas, with
emissions of 0.0006 lb SO,, 0.118 1lb NO, and 114 1lb CO, per
MMBTU, ** would have a total externality value of $1.65 per
MMBTU or (at 8,500 BTU/kWh) 1.4 cents per kWh.

In addition, the power plants (except those burning gas)
would have monetizable externality costs from particulate

emissions.

What are the externalities of the Perryman project?

I have not done a complete analysis of the externalities of
the Perryman project. However, the air emissions
externalities of four air pollutants, NO,, S0,, CO, and TSP for
combined cycle units, CTs and IGCC are estimated in Table 7,
along with that of a new pulverized coal plant, at the
Massachusetts DPU externality values.: Based on these
calculations, the combined cycle units (CCs) using 10 months
of interruptible gas, 2 months of 0.2% S #2 oil, and the
vendor’s with guaranteed NO, emissions, will have air
emissions externalities of about 1.35 cents/kWh, the CTs using
interruptible gas and fitted with water injection for NO,
control will have externalities of about 2 cents/kWh, and the
IGCC units would have externalities of roughly 2.5 cents/kWh.
A new pulverized coal plant would have externalities of
roughly 4 ¢/kWh.